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Abstract 

Natural fractures are important for oil and gas production in tight reservoirs that are usually characterized 
by ultralow matrix porosity and permeability. Natural fractures can be characterized by core sample 
analysis, image logs, production data, and other data sets; however, some of these data may not always be 
available. Addressing the uncertainty of natural fractures in the modeling and simulation processes is 
challenging, especially for a field-scale simulation that requires intense computational efforts. The objective 
of this study was to develop a high-efficiency simulation workflow that quantifies drained reservoir 
volumes (DRVs) and reproduces the production and water injection history for a tight and naturally 
fractured reservoir in the Williston Basin.  

The production history of all the wells and logging data were collected to characterize reservoir 
heterogeneity. Core samples from the target reservoir were tested to estimate petrophysical properties and 
identify natural fractures. The reservoir and fracture information was used to build a field-scale reservoir 
model. History matching was performed using a compositional reservoir simulator with the embedded 
discrete fracture modeling (EDFM) method. A fracture and DRV optimization (FDO) workflow was 
developed to improve history-matching results. The workflow enables dynamic updating of fracture and 
DRV parameters during history matching to reflect the change of key fracture properties in the production 
process.  

Core sample analysis showed that the permeability of most samples ranged from 0.001 to 0.1 mD, with a 
few samples at a permeability higher than 1 mD. Cumulative oil production per well ranged from 17 to 
200 thousand barrels (Mbbl). The results of permeability and cumulative oil production distribution 
indicated strong heterogeneity within the reservoir. Open fractures were detected from the tested core 
samples. Experimental and production data were integrated within the field-scale reservoir model. Assisted 
by the FDO workflow, the production and water injection histories for all 17 wells were successfully 
matched. The simulation results showed that water injection led to increasing water cut in two offset wells 
and restoration of reservoir pressure. 

A novel FDO workflow was proposed in this study to better reproduce the production and water injection 
history of a tight reservoir with natural fractures in the Williston Basin. Compared to most of the published 
work in this area, the FDO workflow can significantly improve the simulation efficiency for field-scale 
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simulation models considering the presence of a complex natural fracture network. The workflow can be 
further applied to reservoir fracture network characterization and history matching of other unconventional 
reservoirs with complex natural fracture systems.  

Introduction 

Naturally fractured reservoirs, particularly with tight matrices, are becoming an important source of oil and 
gas production. These reservoirs are often characterized by low to ultralow matrix porosity and 
permeability, making it challenging to produce oil and gas from the matrices directly. The presence of 
natural fractures plays an essential role in enhancing reservoir permeability and facilitating oil and gas flow 
toward wellbores (Narr et al., 2006). Therefore, it is crucial to understand the presence and characteristics 
of natural fractures. 

A variety of data, including core, image log, seismic, and well-testing interpretations, can be utilized to 
better understand natural fractures. Core sample analysis is a direct method to determine the origin, 
presence, geometry, and mineralization of natural fractures (Gale et al., 2019). Image logs can be used to 
visualize fracture orientation, frequency, and continuity (Fernández-Ibáñez et al., 2018). The combination 
of core sample analysis and image log provides precise and detailed data on fracture geometry and 
occurrence (Narr et al., 2006; Ibrayev et al., 2016). However, they cannot determine whether the well-scale 
natural fractures are connected to a field-scale natural fracture system to allow gas and fluids to flow into 
wellbores. Seismic data can provide structure, geometry, and geomechanical properties of large natural 
fractures on the field scale, but they cannot detect small natural fractures (Lynn et al., 1995; Ibrayev et al., 
2016). In addition, fracture connectivity or conductivity cannot be determined by seismic data. In contrast, 
well-testing data can characterize the flow capacity of natural fractures and evaluate heterogeneity in 
naturally fractured reservoirs (Cinco-Ley, 1996) but cannot determine the occurrence or geometry of natural 
fractures. Although a better characterization of natural fractures can be obtained by utilizing all types of 
data, these data sets are usually not available for most fields because of the high cost of acquiring the data 
in actual fields (Narr et al., 2006; Ray et al., 2012). Therefore, developing a high-efficiency method to 
mimic the flow behavior in naturally fractured reservoirs becomes meaningful and can assist operators to 
improve oil and gas production and maximize economic benefits when developing these reservoirs. 

Reservoir simulation is the key to characterizing the fluid flow behavior of tight naturally fractured 
reservoirs; however, the modeling and simulation process can be challenging (Oliver and Chen, 2011). One 
of the main challenges is how to simulate fractures efficiently. The conventional dual-porosity dual-
permeability (DP/DK) method can simulate reservoirs with uniformly distributed natural fractures on a 
small scale; however, this method can provide inaccurate solutions when the simulated reservoir is highly 
heterogeneous with a complex natural fracture system (Warren and Root, 1963; Choi et al., 1997; Nie et 
al., 2012; Yu et al., 2014). The local grid refinement (LGR) and unstructured grid (UG) methods are also 
used to simulate fractured reservoirs, but these methods usually require long computational time, especially 
when there are multiple wells involved in the model (Conlin et al., 1990; Mirzaei and Cipolla, 2012; Sun 
et al., 2016; Jin et al., 2019). The embedded discrete fracture model (EDFM) method takes advantage of 
DP/DK, LGR, and UG methods to ensure that the simulation of a tight naturally fractured reservoir is 
accurate and efficient (Xu et al., 2017; Wan, 2020; Wan et al., 2020; Jin et al., 2022a, b). More recently, a 
machine learning-assisted automatic history-matching (AHM) algorithm was proposed to further enhance 
the EDFM method. The algorithm can generate an ensemble of solutions to address uncertainties of natural 
fracture properties in the history-matching process (Tripoppoom et al., 2019; Liu, 2020; Liu et al., 2022; 
Wan et al., 2022). However, this approach has two limitations: 1) a longer simulation time is required for 
uncertainty analysis and 2) the performance of AHM strongly depends on the quality of the baseline model; 
poor or no solution can be achieved when a reasonable baseline model is not available.  

Simulation practices showed that the EDFM method is efficient in matching early-stage production data; 
however, matching efficiency reduces with time because of the depletion of the reservoir. Studies showed 
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that the properties of natural fractures and their neighboring matrices change with reservoir pressure in the 
production process (Tao et al., 2011; Cho et al., 2013; Zhao et al., 2017; Jia et al., 2020, 2021). These 
observations indicated an alternative method is needed to improve history-matching efficiency when the 
reservoir depletes. Therefore, this study aimed to develop a high-efficiency method for field-scale reservoir 
simulation of a tight and naturally fractured reservoir in the Williston Basin. The method can be further 
extended to other unconventional reservoirs with complex natural fractures if it can be successfully applied 
to the target reservoir. 

Reservoir Overview 

The studied Field A is a tight oil reservoir located in the North Dakota portion of the Williston Basin. The 
Ratcliffe interval of the Charles Formation is the main pay zone of the reservoir and one of the primary 
hydrocarbon-producing intervals within the Madison Group in North Dakota, along with the Lodgepole 
Formation and the Frobisher–Alida interval of the Mission Canyon Formation (Hendricks, 1988; Jarvie et 
al., 2016). The reservoir contains primarily low-porosity, low-permeability, fractured marine limestones 
and dolomites occurring at depths of approximately 8800–10,000 ft. Figure 1 shows different well logs 
collected from a well completed in the pay zone. Figure 2 provides porosity and permeability from core 
sample measurement for the corresponding well. Generally, the porosity of the pay zone is lower than 10%, 
with only a few thin layers exhibiting porosity greater than 10%. The permeability is in the range of 0.001–
20 mD, with most of the pay zone showing a permeability of less than 0.1 mD. These figures indicate that 
this deep reservoir is not only tight but also strongly heterogeneous.  

 

 
Figure 1. Well logs collected from one of the wells in Field A, with porosity log-matched by core data. 
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Figure 2. Distribution of porosity (a) and permeability (b), with depth based on core measurements. 

Natural fractures were observed on the core samples obtained from the reservoir, as illustrated in  
Figure 3. The left three core samples show that the natural fractures are randomly distributed in different 
geometries and orientations – both vertical and horizontal fractures with different lengths appear on these 
samples. For comparison, the fourth core sample on the right-hand side shows an intact rock without the 
presence of natural fractures. Drilling and production activities showed that natural fractures are distributed 
across the reservoir in the Ratcliffe interval (Hirsch et al., 1981; Woo and Cramer, 1984; Begnaud and 
Claiborne, 1985).  

Shell recovered over 1500 feet of core samples from three wells at the Mondak Field to analyze the natural 
open fractures in the interval (Hirsch et al., 1981). To delineate these fractures using wireline logs, the 
company ran the commercially available logging tools as well as the prototype devices designed to respond 
to open fractures. The results showed that most of the open natural fractures observed on the core samples 
are vertical, with a length ranging from several inches to several feet and a width typically less than a 
fraction of a millimeter. Begnaud and Claiborne (1983) observed that natural fractures played varying roles 
in oil production from reservoirs in the Mission Canyon and Ratcliffe units and that fracture properties 
might change with time as production went on. They reviewed the completions and production data of the 
wells in these geologic units and found that different methods were required to analyze the fractures 
depending on the rock properties and production history. They utilized seven field techniques, including 
zone testing, downhole pressure measurements, residual gel analysis, pump-in and swab tests, postfrac 
temperature logs, postfrac gamma ray logs, and drillstem test, and four stress measurements, including  
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Figure 3. Illustration of natural fractures observed on the core samples collected from the reservoir. 

horizontal stress, vertical stress, in situ closure stress, and long-spaced sonic log stress, to analyze vertical 
fracture growth in the studied reservoirs. Based on the analysis of the data collected from the reservoirs, 
they proposed the following correlation to predict the fracture height during the production process:  

 𝑃𝑃 − 𝑃𝑃𝑜𝑜 = 𝐾𝐾𝑖𝑖𝑖𝑖
√𝜋𝜋𝜋𝜋

1
√1+𝜀𝜀

− 1 + 2(𝜎𝜎𝑏𝑏−𝜎𝜎𝑎𝑎)
𝜋𝜋

𝑐𝑐𝑐𝑐𝑐𝑐−1 � 1
1+𝜀𝜀

� [Eq. 1] 

Where Po is the pressure as a fracture initially reaches the boundary, psi; P is the pressure above Po, psi; L 
is half of the pay zone thickness, ft; ԑ is calculated as (fracture half height/L-1), ft; Kic is the critical stress 
intensity factor of the bounding layer; σb is the minimum horizontal stress in the pay zone, psi; and σa is the 
minimum horizontal stress in the boundary, psi.  

Since the stresses changed with pore pressure (or reservoir pressure) in the production and injection process, 
the fracture height was not constant throughout the life cycle of a field. The production and injection history 
should be considered when estimating the fracture properties. Begnaud and Claiborne (1983) estimated that 
the natural fracture height could vary between 0 and 100 ft in the studied reservoirs depending on the 
pressure conditions. Therefore, this factor needs to be considered in the fracture simulation process when 
studying reservoirs in the Ratcliffe interval.  

Analysis of Production and Injection Data 

Seventeen horizontal wells from Field A were selected to develop an effective simulation workflow for a 
naturally fractured reservoir in the Ratcliffe interval, as shown in Figure 4. The wells were drilled from 
2004 to 2006 and then started oil production with openhole completions. The horizontal laterals were 
completed at an average depth of 9500 ft and an average length of 5300 ft. A large variation in initial oil 
production rate and cumulative oil production was observed in these wells: initial oil production rates 
ranged 52 to 515 bpd and cumulative oil production ranged 17 to 200 Mbbl, as shown in Figure 5. All of 
the wells had high initial water cuts ranging from 25% to 85%, as shown in Figure 6. A clear correlation 
could be observed between the initial water cut and cumulative oil production for these wells, as 
demonstrated in Figure 7. These observations indicated that the oil saturation distribution in the reservoir 
is highly uneven and the main pay zone might be in a transition zone with high water saturation.  
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Figure 4. The 17 horizontal wells selected from Field A where the main pay zone is in the Ratcliffe interval. 

 
Figure 5. Oil production performance of the selected wells in Field A: (a) initial oil production rate and (b) cumulative oil production. 
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Figure 6. Initial water cut of the 17 wells in Field A. 

 
Figure 7. Correlation between initial water cut and cumulative oil production for the 17 wells in Field A. 

A transition zone is a region where oil and water are intermixed and the water saturation changes gradually 
from 100% to connate saturation as the oil saturation increases. Capillary pressure is defined as the 
difference in fluid pressure across an interface between two fluids in a confined volume. In an oil reservoir, 
it is the pressure difference across the oil–water interface, which is a function of the fluid and rock 
properties. Capillary pressure plays a crucial role in determining the thickness of a transition zone. Studies 
showed that the thickness of a transition zone may vary from a few feet in high-permeability reservoirs to 
more than 300 feet in low-permeability reservoirs such as carbonate reservoirs because of extreme 
heterogeneity (Masalmeh et al., 2007; Bera and Belhaj, 2016; Shi et al., 2018; Dakhelpour-Ghoveifel et al., 
2019).  

The transition zone may hold a substantial portion of oil reserves in a reservoir, where the oil production 
performance and recovery depend heavily on several geological and petrophysical properties based on 
special core analysis (SCAL) such as pore size distribution, capillary pressure, and relative permeability 
(Spearing et al., 2014; Mohamed et al. 2017; Shi et al., 2018). Capillary pressure is one of the most 
important factors to understand the fluid flow behavior in a transition zone. Capillary pressure data can 
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provide valuable information on the size and sorting of pore throats and the pressure difference required to 
move fluids through the pores (Jin and Wojtanowicz, 2014; Bera and Belhaj, 2016; Zhang et al., 2019, 
2020). Therefore, high-pressure mercury injection (MICP [mercury injection capillary pressure]) tests were 
performed to measure the capillary pressure in this reservoir. Figure 8 illustrates a capillary pressure curve 
that was measured by MICP using a representative core sample from the reservoir with a porosity of 0.11 
and a permeability of 0.45 mD. The curve indicates that a high pressure differential is required to displace 
oil through a large portion of pore throats in this reservoir. The steep change of the slope implies that oil is 
difficult to produce in the deeper transition zone since an extremely high pressure differential is required to 
overcome the capillary force between oil and water in the pore throats.  

 
Figure 8. Capillary pressure curve measured by MICP using a core sample with a porosity of 0.11 and a permeability of 0.45 mD. 

Water injection has been performed in Well 5 since October 2017, as shown in Figure 9. Data indicated 
that the maximum injection rate was limited to around 1650 bpd because of the low-permeability rock 
matrix surrounding the well. Wells 1, 2, and 6 have been shut in since 2013 because of their low oil 
production rates. Oil and water production responses have been monitored in offset Wells 4, 8, 9, and 10. 
Little change in water cut was observed in Wells 4 and 8, indicating that the communication between the 
injection well and these two production wells was weak. Conversely, increasing water cut was observed in 
Wells 9 and 10 after water injection started, as shown in Figure 10, implying that high-conductivity channels 
probably existed between Well 5 and Wells 9 and 10. The production and injection data further confirmed 
that the reservoir is highly heterogeneous. Accurately predicting the behavior of fluid flow in the reservoir 
was challenging because of the uncertainties in the distribution of permeability, porosity, initial oil 
saturation, and natural fractures across the reservoir. To address this challenge, a simulation workflow was 
developed to tune the matrix and fracture properties through detailed history matching.  
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Figure 9. Water injection performance in Well 5. 

 
Figure 10. Change of water cut in offset wells after water injection started: (a) Well 9; (b) Well 10. The black line indicates water injection started 
in Well 5. 
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Baseline Model Description 

To mimic the fluid flow behavior in the reservoir, a compositional reservoir simulation model was built 
using Computer Modelling Group Ltd.’s (CMG’s) GEM®. All 17 wells shown in Figure 4 were included 
in the model. The length, width, and height of the original reservoir model (natural fractures) were 
approximately 40,350, 16,350, and 100 ft, with 135, 55, and 45 grids in the X, Y, and Z directions, 
respectively. The total bulk volume of the reservoir model is 7.29 × 107 ft3. The geologic model was 
constructed using corner grids in Petrel® based on available well log and core data to assign initial values 
for porosity, permeability, and oil saturation, as shown in Figure 11. The distribution of porosity and 
permeability depicts the tight and heterogeneous features of the reservoir, as illustrated in  Figure 11(a) and 
(b). Most of the reservoir matrix exhibited low porosity (less than 10%) and permeability (less than  
0.1 mD), with a few thin layers showing higher porosity (≥10%) and permeability (≥0.1 mD). The oil 
saturation distribution confirmed that the reservoir was in a transition zone with high water saturation; 
Figure 11(c) shows that most of the reservoir had an initial oil saturation lower than 0.5. Additionally, the 
figure depicts a decreasing trend in oil saturation with increasing depth, where the effect of gravity on oil 
migration is clear. The distribution of reservoir properties correlated well with the oil production and water 
cut behaviors shown in Figure 5 through Figure 7.  

 
Figure 11. Distribution of different reservoir properties in the simulation model: (a) porosity, (b) permeability, and (c) water saturation. The height 
of the reservoir model was amplified 50 times to better display the vertical distribution of the reservoir properties. 

Since many wells and natural fractures were involved in the model, selecting a high-efficiency fracture 
simulation method became a precondition for history matching. The EDFM approach was effective to 
integrate natural fractures into a reservoir simulation model. Different from most fracture simulation 
methods, EDFM constructed all fractures explicitly by separating the fracture matrix grids independently. 
The fractures were divided into segments and then connected using non-neighboring connections (NNCs) 
to make sure the fluid can flow through the fractures. This treatment greatly improved flow calculation 
efficiency in the simulation process (Xu, 2015; Lie and Møyner, 2021; Zhao et al., 2022). Fracture and 
matrix grids were then coupled to each other via source–sink relations when the simulation model was 
finalized. EDFM homogenized small natural fractures by adjusting the length, width, porosity, 
permeability, and transmissibility when tuning the model to make the simulation model run smoothly (Ma 
et al., 2022). This hierarchical modeling approach made EDFM versatile and convenient to handle complex 
fracture networks. Employing the EDGS® Suite, Figure 12 shows the simulation model of the studied 
reservoir with wells and natural fractures integrated.  
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Figure 12. Distribution of wells and natural fractures in the simulation model. 

Workflow Development 

Because of the uncertainties in rock and natural fracture properties, initial simulation results deviated from 
historical data. Only adjusting the matrix properties could not make the model match the historical data 
satisfactorily; however, the initial simulation runs showed that the results were sensitive to the grids in the 
near-wellbore region. Tuning the natural fracture properties showed that simulation results were close to 
historical data, especially in the early stage of production. Later on, the matrix properties within the drained 
reservoir volume (DRV) became more influential on fluid flow behavior. These observations indicated that 
1) the properties of natural fractures should be mainly adjusted for early-stage history matching, 2) the main 
DRV of each well might surround the wellbore because of the tightness of the rock matrix in the reservoir, 
and 3) the rock matrix properties in the DRV were mainly responsible for late-stage history matching. 
Therefore, a fracture and DRV optimization (FDO) workflow (Figure 13) was proposed to optimize the 
history-matching quality for this tight and naturally fractured reservoir.  

The workflow began with an initialization of the simulation model to make sure the model could run 
through the available production history in a reasonable time. The essential matrix and fracture parameters 
such as porosity, permeability, and fluid saturations were tuned based on available well logs, core 
measurements, etc. When the model was able to run through smoothly, the results were compared with 
historical data and the model was kept as a baseline model. If the results were satisfied, i.e., met accuracy 
requirements, history matching was completed. If the simulation results deviated from historical data, then 
the properties of the near-wellbore grids mainly focused on natural fractures were tuned to match the 
production data for the early production period.  

When the data of the early production period were matched, the properties of grids beyond the near-
wellbore region were tuned to match the remaining historical data. The impact of matrix properties became 
more important for late-stage production. Figure 14 illustrates a DRV near a natural fracture. Based on the 
fracture grids that were generated in EDFM, all matrix cells that are connected to the fractures were  
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Figure 13. Simulation workflow for tight and naturally fractured reservoir history matching. 

 
Figure 14. Illustration of a DRV near a natural fracture: the black piece represents a natural fracture embedded in the reservoir matrix, the blue 
blocks represent the cells that are directly connected to the fracture, and the yellow blocks represent the matrix cells that are not directly connected 
to the fracture. 

identified and grouped based on their connected fractures. Properties such as permeability, relative 
permeability curves, and transmissibility were tuned in these cells to match historical data. Some natural 
fracture properties such as length, width, and permeability might also be tuned in this stage. The matrix 
cells were also updated when the length or width of their connected fracture was tuned; as a result, the DRV 
was updated. The updated reservoir model was then rerun and compared to historical data until a 
satisfactory history match was achieved.  
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History-Matching Results 

Detailed history matching was performed for the 17 wells based on the workflow proposed in this study. 
Reasonable production history-matching results, including liquid rate, oil rate, and water rate, were 
achieved for both field and individual wells, as shown in Figure 15 through Figure 18. Because of a lack of 
gas compositional data, the gas production rate was not set as an objective for history matching. However, 
this did not impact the verification of the proposed method in this study. The liquid production rate was set 
as the primary production constraint. Therefore, the liquid rate was almost perfectly matched for all the 
wells, as demonstrated in Figure 15(a), Figure 16(a), and Figure 17(a). This indicated that the grids in the 
model had adequate conductivity to deliver the fluid volume. The plots on oil and water production rates 
showed slight but acceptable variations between the simulation results and production history. The 
matching results indicated that the simulation model could effectively mimic the fluid flow in this reservoir. 
The variations between the simulation and production also implied there were still uncertainties in the 
fracture and matrix properties and the simulation results could be further improved when more data are 
available to reduce the uncertainties.  

 
Figure 15. History-matching results for production rates in Field A: (a) liquid rate, (b) oil rate, and (c) water rate. 
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Figure 16. History-matching results for production rates in Well 9: (a) liquid rate, (b) oil rate, and (c) water rate. 

 
Figure 17. History-matching results for production rates in Well 10: (a) liquid rate, (b) oil rate, and (c) water rate. 

Well 5 was the only water injection well in this field. Figure 18 shows that the simulation model could also 
match the water injection rate satisfactorily. Although the water injection caused an increasing water cut in 
offset Wells 9 and 10, as shown in Figure 10, it could potentially restore reservoir pressure, as indicated in 
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Figure 19. Average reservoir pressure decreased from 4400 to 2000 psi after 13 years of production. Water 
injection changed the declining trend, and there was a slight increase in reservoir pressure from 2019. 
However, the pressure increase was not significant since the water injection rate was limited because of the 
tightness of the reservoir and liquid production continued in other wells.  

  

Figure 18. History-matching results for water injection rate in Well 5. 

 
Figure 19. Simulation results of reservoir pressure decline in Field A. 

Conclusions 

This study applied multiple approaches to characterize fluid flow behavior in a tight and naturally fractured 
reservoir in the Williston Basin. Core samples, well logs, and production data were collected to analyze the 
porosity, permeability, natural fractures, and heterogeneity of the reservoir. A simulation model with 
complex natural fractures and 17 horizontal wells was built to reproduce production history. To better 
address the uncertainty of near-fracture matrix properties and achieve history matching more efficiently, a 
novel fracture and drained volume simulation workflow was proposed based on the EDFM method. The 
main findings of this study are summarized as follows:  

1. With the assistance of the proposed simulation workflow, reasonable history-matching results were 
obtained for all 17 wells in Field A. The results indicated that the workflow could significantly 
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improve the simulation efficiency of a field-scale reservoir model with a complex natural fracture 
network throughout the entire production and injection process.  

2. For a tight reservoir with complex natural fractures, the early production behavior of the horizontal 
wells might be impacted more by near-wellbore fractures, while the impact of matrix properties 
became more important for late-stage production.  

3. Since the proposed simulation workflow is general, it has the potential to be applied to other 
unconventional reservoirs with complex fracture systems.  
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